ONTARIO HYDRO'S PLAN

TO SERVE CUSTOMERS"®

ELECTRICITY NEEDS

PLAN
ANALYSIS






PROVIDING THE BALANCE OF POWER

This "Plan Analysis" is one of a series of documents issued under the title, "Providing
the Balance of Power: Ontario Hydro’s Plan to Serve Customers’ Electricity Needs."
It provides technical details and supporting analyses for Hydro’s proposed plan to
meet the future electricity needs, and the alternatives that were considered. A more
comprehensive discussion of the background to, and the elements of, these plans is
provided in the "Demand Supply Plan" Report.

Another document, "Overview", presents in a more abbreviated and somewhat
different form the main features of the proposed plan, the alternatives, and the
considerations that went into their development.

A fourth document, "Environmental Analysis", analyzes the environmental impact of
the Proposed Demand/Supply plan and the alternatives. These documents will be
filed with the Minister of the Environment for a public hearing before the
Environmental Assessment Board. Prior to that hearing, these documents will be
subject to government review. As well, they will be the focus of a public information
program held early in 1990.
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1. INTRODUCTION

This report focuses on the formulation, description and analysis of the five Major
Supply Cases. The rationale for selecting Candidate Plans or the Proposed Plan is
provided in the Demand/Supply Report (DSP). It's recommended that the DSP Report
be read first. Keeping a copy close at hand would also be useful, as there are
numerous references to the DSP Report in this analysis. Definitions of many of the
technical terms used in this report are provided in the glossary of the DSP Report.

There are 4 major differences between this report and the DSP Report:

. Cases and evaluation results are described for two load forecast paths that
branch from the median forecast; one lies between the upper and median
forecasts; the other lies between the lower and median forecasts. In all, five
load forecast paths are assumed: median, branch upper, upper, branch lower
and lower.

. Results are more fully presented. The DSP Report often summarizes results

by five year periods. This report provides annual results. This report also

provides more detailed results, such as fossil energies by fuel type, and costs
 under specific conditions.

Certain aspects of plan development are covered ifi more detail, such as
reliability, acid gas control and transmission.

. The main models used to simulate the electricity $ystem and to carry out the
economic evaluation are described.

During the formulation of plans, certain data was updated, specifically customer
response to demand management initiatives, the non-utility generation forecast,
hydroelectric sites and the cost of options.

The data used in this analytic work and the DSP Report were current at the time the
work was carried out. Because these documents were completed at different times,
there are some differences between the data used in each report. These differences
are noted and explained in this report. The differences are small and would not affect
the nature of the Cases developed or the results of the evaluation of the Cases.

Along with this introduction, there are eight chapters:

Chapter 2 -- System Modelling; describes the principal model used to simulate how
a balanced mix of demand and supply options meet customer needs. This model
receives data from many sources and, in turn, is the source of much data for
subsequent evaluations in areas such as economics, finance and acid gas.
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Chapter 3 -- Reliability: describes the generation reliability standard used to assess
Hydro’s ability to meet customer needs continually. Using two demand/supply cases,
the standard is applied in a reliability analysis to find the generating reserve margin
to apply in formulating all cases. .

Chapter 4 -- Formulation and Description of Plans: begins with some background on
how Hydro arrived at the five Cases presented in the DSP Report. However, the main
purpose of this chapter is to describe how each of the five Cases respond to changes
in load forecast, particularly the branch upper and branch lower forecasts. By
considering load forecast changes, Hydro ensures its plans have flexibility.

Chapter 5 -- Transmission: describes the radial and inter-area transmission
associated with certain sites and the sequence in which sites may be developed.

Chapter 6 -- Energy Production; describes, year by year, the energy provided by Non-
Utility Generators (NUGs), the Manitoba Purchase, hydraulic, nuclear and fossil
generation for all five load paths and five Cases.

Chapter 7 -- Acid Gas Control: describes acid gas control planning and the control
plan assumed in the DSP Report. Energy derived from oil, natural gas and coal is
presented. Energy from coal is further divided by application: e.g. low sulphur
content, stations equipped with scrubbers.

Chapter 8 -- Costs: begins with the source of cost data and traces the application of
those data. The principal cost model is described -- how it receives the data inputs
and the many cost results that are derived from it. The principles of the allocation
of present value costs and the cost risk assessment method are explained. Specific
results are also presented for the branch load forecast paths.

Chapter 9 -- Financial Impact Assessment: deals with rate and borowing
requirements.
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2.0 INTRODUCTION

This chapter describes the computer modelling of the Ontario electric supply system
as used for the Demand/Supply Plan. These models simulate the load to be supplied
and schedule generation to supply it. They also track associated demand and supply
costs, and determine acid gas emissions, coal blending and secondary nuclear sales.
Additional models used for costing are discussed in Chapters 8 and 9.

2.1 MODELLING OVERVIEW

The primary model used for evaluation of the Demand/Supply Plans was the Load
Management Strategy Testing Model (LMSTM) developed for the Electric Power
Research Institute in 1984 (EPRI EA-2396, 1984). It was first used by Ontario Hydro
in the preparation of the Draft Demand/Supply Planning Strategy. For the
Demand/Supply Plan, the original LMSTM model was enhanced to determine fuel
blending to meet acid gas limits and secondary nuclear sales.

The enhanced version of LMSTM is one of several models used to analyze the plan.
The primary functions of LMSTM were modelling of demand management and
generation dispatch, and the calculation of fuel costs. It was also used for the
calculation of costs common to all plans. The costs of new supply resources were
entered directly into the Risk Assessment Model (RAM) (see Chapter 8). The
corporate financial and rate impacts were also obtained separately (see Chapter 9).

LMSTM is an integrated planning model which models both demand and supply
options. It consists of three submodels--demand, supply and finance. The logic flow
among these submodels, and the sections of this chapter in which each submodel is
described, are shown in Figure 2.1-1. A more comprehensive discussion is in the
EPRI report referenced above.

The demand submodel accepts as input the basic load forecast, then subtracts the
impact of demand management programs and load displacement non-utility
generation, to derive the primary load forecast. This submodel also calculates the

costs of demand management. This submodel is described in more detail in Section
2.2

The supply submodel starts with the primary demand calculated in the demand
submodel and the characteristics and costs of existing and new generating units. It
simulates the scheduling of the production from these units; produces the capital,
fixed operating and fuel costs of these units; and calculates expected energy
generation by fuel type. Section 2.3 provides more detail on the supply submodel.



Figure 2.1-1
System Modelling Overview
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The use of the LMSTM finance submodel is described in Section 2.4. This submodel
includes the calculation of overhead and other fixed costs, transmission and
distribution costs and fixed costs related to existing assets such as existing generation
stations or office buildings.

Finally, acid gas emission calculations, coal blending and secondary nuclear sales are
calculated, based on fuel cost and energy production by fuel type from the supply
submodel.

2.1.1 Modelling Constraints

LMSTM has an annual resolution of demand, generation available and costs. This
results in a number of constraints. The load shapes represent a seasonal pattern
over a year with average load growth. As load growth from year to year changes, the
relative demand across months would also change. For example, with high load
growth, the December peak would be much higher than the preceding January peak.
With low load growth, they would be almost the same. This changing of the seasonal
pattern within a year cannot be modelled. However, it is quite small, compared to
the effect of annual load growth.

The annual resolution also means that generating units may only be added as of
January first of each year. Thermal units are usually scheduled to come on line in
October. For modelling purposes these units were added as of the following January.
In general, units with in-service dates before July first were modelled as starting the
preceding January. Those with later in-service dates were modelled as starting the
following January.

Starting units only in January also constrained the costing of major outages, such as
rehabilitations and retubing. Therefore, the costs of these outages were modelled
either as a fixed OM&A expense for shorter outages, or as a capital expense, if the
duration exceeded a full year. The costs of outages spanning a year or more, such as
nuclear retubing, were modelled as a capital cost and depreciated over the remaining
life of the station. The costs of shorter outages were expensed as fixed OM&A.

All projects of a particular type are modelled with a similar construction expenditure
pattern. These patterns actually do change with in-service date, because the
underlying inflation rate is forecast to change from year to year over the planning
period. This effect is insignificant, however, except for projects with long construction
schedules, such as major new supply. These capital costs were used for calculation
of the avoided costs. However, this constraint did not impact on the main financial
analysis, because the major capital programs were modelled directly in RAM to assist
with risk assessment.



Another constraint on financial modelling of capital costs is that the real discount
rate cannot change over the planning period. This restriction is reflected through the
calculation of the levelized capital cost, which is an Ontario Hydro modification to the
original LMSTM program. The real discount rate actually varies from 6% in 1992 to
4.5% beyond 2010. A constant real discount rate of 5% was used for the calculation
of all capital costs in the system modelling.

The inter-area transmission was included directly in RAM to reduce the number of
system simulations required. The inter-area transmission alters the cost for a
specific site for a specific type of new generation, but has no effect on other costs or
demand or supply modelling. Rather than run the production simulation for each
combination of new generation siting, the costs of inter-area transmission were
included as part of the risk analysis and calculation of final costs.

2.2 DEMAND SUBMODEL

LMSTM is specifically designed for modelling the impact of demand management
programs on utility load. Demand is represented by daily load shapes (24 hourly
demands) for 4 typical days in each season. The typical days, or day types, represent
high-demand weekdays, mid-demand weekdays, other (low-demand) weekdays, and
weekends and holidays. The number of days represented by each day type in each
season is shown in Figure 2.2-1. The fractional numbers of days in each type is due
to averaging over the seven days of the week on which a year may start.

In this type of load representation the differences in energy demand across the day
types reflect the effects of day-to-day weather variation (high-demand weekdays
would reflect colder temperatures in winter and hotter temperatures in summer) and
the effects of the day of the week (weekday versus weekend). If weather or day of the
week alters the relative demands among the hours within a day, this is modelled by
having different load shapes for each of the day types. Differences from season to
season represent differences in weather over a year and influences such as the hours
of sunlight, daylight savings time, and the summer vacation period.

Before proceeding it is necessary to define some terminology. The load shape is the
pattern of how the demand for electricity varies from hour to hour. It must be scaled
up or down from year to year by the demand or energy forecast. To illustrate, the
basic loads for the three years shown for each day type on Figure 2.2-2 all have the
same load shape. That is, the ratio of the load in each hour to average load for the
day is the same for all three years. They differ because the load shape has been
scaled by the forecast demand in each of the three years. The primary demands also
shown on Figure 2.2-2 have different load shapes in the three years as a result of
load reductions from efficiency improvements, load shifting and load displacement
non-utility generation. '
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Figure 2.2-1

Season and Day-Type Classification

For System Simulation
(Number of Days in Each)

, Season
Day Type: | Winter Spring  Summer Fall Total
HIGH Weekday | 37.51 2013 3782  20.13 115.59
MID Weekday 65.34 31.72 65.88 31.72 194.66
LOW Weekday 12.10 6.10 12.20 6.10 36.50
WEEKEND 6.05 3.05 6.10 3.05 18.25
Total 121.00 61.00 122.00 61.00 365.00

Winter = January, February, March, December
Spring = April, May
Summer = June, July, August, September
Fall = October, November




Figure 2.2-2(a)
Basic & Primary Load Shapes
in System Simulation
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Figure 2.2-2(b)
Basic & Primary Load Shapes
in System Simulation
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Figure 2.2-2(c)
Basic & Primary Load Shape
in System Simulation
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Figure 2.2-2(d)
Basic & Primary Load Shape
in System Simulation
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The electricity basic demand for each day type is built from five different end-use load
shapes representing different appliances or customer classes:

¢ residential domestic load,

* residential space heating,

* residential water heating,

¢ general class load (commercial & small industrial customers),

° direct customers (mainly large industrial customers).
To model demand management, the above end-use shapes were used and two other
specific shapes were created:

* flat load (constant throughout the day)

¢ off-peak load (11 PM to 7 AM for recovering shifted load).

Demands created by adding together these various load shapes may also be grouped
into customer classes:

* municipal residential

¢ rural residential

¢ general class

e direct customers.
These classes were used in this study to calculate distribution costs, which are only
applicable for the loads in the first three classes.

The demand in each hour is created in stages. First, the basic load forecast is
modelled as a sum of the five end-use shapes. This provides a separate estimate of
basic load for each of the 384 typical hours (24 hours per day times 4 typical days
times 4 seasons) (Section 2.2.1).

Next, load shapes (384 hours each) for electrical efficiency improvements (Section
2.2.2), load shifting (2.2.3) and load displacement non-utility generation (2.2.4) are
created separately. Finally, these are subtracted from the basic load to create the
primary load shape. This primary load is fed into the supply submodel, where it is
met by supply resources.

2.2.1 Basic Load Forecast

The basic load forecast modelled is from the Load Forecast Report No0.881212
published in April 1989. The five end-use loads were initially combined in the
proportion of total system load forecast to come from each end-use. The proportion
of energy consumed under these load shapes was modified to create the same one-
hour December peak demand and annual energy as predicted in the load forecast.
The resulting load shapes are shown in Figure 2.2-2 for 1989, 2000 and 2010.

The long-run (post 1994) basic load forecast is prepared using only one annual load

shape for all years. So, basic load in LMSTM was also modelled using only one load
shape for all years. The short-run forecast (up to 1994), which is also modelled in
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shape for all years. The short-run forecast (up to 1994), which is also modelled in
LMSTM, has different load shapes so the modelling has some deviations from the
load forecast in the early years. The maximum deviation is in 1989, when modelled
peak demand is 0.6% higher than the forecast and energy use is 0.1% lower. After
1995, differences in both of these indicators are less than 0.03%.

2.2.2 Electrical Efficiency Improvements

Electrical efficiency improvements (EEI) are modelled as a load reduction from the
basic load shape. They were compiled from the general class end-use shape and the
residential domestic and space heating end-use shapes. The proportion of efficiency
improvement modelled with each of these load shapes was determined so that the
one-hour and sixteen-hour winter peaks and the annual energy reduction were as
specified for the year 2000, a benchmark year in the demand management plan.

The effect of EEI programs is shown for the year 2000 in Figure 2.2-3. The load
shape of EEI was not changed from year to year, but the load reduction from EEI was
increased annually. Yearly peak reductions from EEI programs, as produced by the
system simulation, are shown in Figure 2.2-4.

The incremental capital cost of EEI is estimated to be 900 $89/kW ($900 per kW in
1989 dollars) with Hydro offering an incentive of 351 $89/kW. After the 11-year life
assumed for all EE], the full $900 is paid by the participant. Hydro also incurs an
administration OM&A cost of 350 $89/kW at the time of the first investment in EEIL
This administration cost is not incurred when the equipment is replaced. All costs
were escalated by the Ontario CPI.

2.2.3 Load Shifting

Modelling load shifting is more complicated because the load must first be removed
from the peak period (7 AM to 11 PM) of the three typical weekdays, and then be
added to the off-peak (11 PM to 7 AM) period of these days. Some of the energy
removed from the peak periods is also recovered on the weekends, which are off peak
for all hours. The total amount of energy consumed is not changed as with EEI, but
is only shifted to weekday nights and weekends.

Two load shapes were used to model the load removed from the peak periods--general
class and direct customer load. This reflects that the majority of load shifting is
expected to come from commercial and industrial customers. The proportion of the
load shifting represented by each of the load shapes is shown in Figure 2.2-5. The
division between these reflects the proportion of load shifting expected to come from
direct customers and large users (direct customer end-use shape), versus smaller
commercial, industrial and residential customers.



Figure 2.2-3(a)
Load Shape Modifications
for EEl, LD NUG and LS
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Figure 2.2-3(b)
Load Shape Modifications
for EEl, LD NUG and LS
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Figure 2.2-3(c)
Load Shape Modifications
for EEIl, LD NUG and LS
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Figure 2.2-3(d)
Load Shape Modifications

for EEI, L

D NUG and LS
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Figure 224

Demand Management Savings as Produced By System Simulation
(Cumulative Values As Of December One-Hour Peak)
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1999 1360 790 288 2438 1574 3580
2000 1600 BOO 288 2688 | 1809 - 4048
2001 1663 820 288 2771 1882 " 4185
2002 1725 840 288 2853 1956 - 424
2003 1788 860 281 2929 2028 462
2004 1850 880 274 3004 2102 4600
2005 1913 900 267 3080 2177 4738
2006 1974 920 260 -3154 2253 4876
2007 2038 940 253 3231 2328 5014
2008 2100 960 246 3306 2403 5152
2009 2163 980 239 3382 2476 5290
2010 2225 1000 232 8457 2548 5428
2011 2288 1020 225 3533 2619 5566
2012 2350 1041 218 3609 2688 5704
2013 2412 1060 211 3683 2755 5835
2014 2475 1080 204 3759 | 2823 |- a4tz 5970




Figure 2.2-5
Modelling of Load Shifting
(Percent of Load Shifting From Each Group)

~ Direct & General
Year Large Users Class

1989 100% 0%
1990 100% 0%
1991 91% 9%
1992 69% 31%
1993 55% 45%
1994 53% A7%
1998 52% 48%
1996 50% 50%
1997 47% 53%
1998 45% 55%
. 1999 43% 57%
2000 42% 58%
2001 42% 58%
2002 42% 58%
2003 42% 58%
2004 42% 58%
2005 42% 58%
2006 42% 58%
2007 42% 58%
2008 42% 58%
2009 - 42% 58%
2010 43% 58%
2011 43% 57%
2012 43% 57%
2013 43% 57%
2014 43% 57%



The costs of load shifting were approximated by assuming that all shifting comes
from the implementation of TOU rates. Only the smaller customers require an
investment in metering equipment by Hydro to convert them to TOU rates. All
participants incur costs to shift load. The total costs by year are shown in Figure 2.2-
6.

The meter conversion costs incurred by Hydro are 400 $89/meter capital and 150
$89/meter OM&A for general class customers, and 80 $89/meter capital and 100
$89/meter OM&A for residential class customers. The meters are assumed to have
a 33 year life so these expenses are incurred only once per customer during the
planning period.

To shift load, the participant will also have to make capital investments. For
example, to shift electricity use for water heating to the off-peak demand period a
tank large enough to supply hot water throughout the peak demand period must be
purchased. This cost is modelled as 300 $89/kW when the shifting occurs. This
equipment is replaced at this same cost every 11 years. All costs are escalated by the
Ontario CPIL

The proportion of energy represented by each load shape was altered so that the
demand shifted off the one-hour winter peak in the year 2000 is precisely as shown
in the demand management plan. Slightly (less than 1%) more is shifted from the
sixteen-hour winter peak. -

Ninety-five percent of the energy removed from the peak period was added back in
the weekday off-peak and five percent was recovered on weekends. The energy
recovered in the weekday off-peak was added equally in each of the off-peak hours.
The energy recovered on the weekend was added with the end-use load shape for that
customer. The net effect of load shifting is shown in Figure 2.2-3 as the difference
between the dashed line and primary demand.

2.2.4 Load Displacement Non-Utility Generation

There are two types of non-utility generation--"load displacement" and "purchase".
Load displacement non-utility generation reduces demand much as does EEI, so it is
modelled in the demand submodel. Purchase non-utility generation is modelled as
a supply-side resource in the supply submodel.

The modelling of load displacement non-utility generation considers dependable
demand reduction and average capacity factor (hours of operation per year).
Dependable demand reduction is the amount that may be depended upon to be
available at peak. This amount is modelled as being available during all hours on the
winter and summer high-demand weekdays (peak days).
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Year

1989
1990
1991
1892
1993
1994
1995
1996
1997
1998
1899
2000
2001
2002
2003
2004
2005
2006
2007
2008
2009
2010
2011
2012
2013
2014

Load
Shifted

(MW)

80
169
263
421
580
655
715
775
835
892
946

1000
© 1020
1040
1060
1080
1100
1120
1140
1160
1180
1200
1220
1240
1260
1280

Figure 2.2-8

Costs of Load Shifting

Participant's Costs

Hydro Family Costs

Capital
(M898%)

24.0
26.7
28.2
47.4
47.7
22.5
18.0
18.0
18.0
17.1
16.2
40.2
32.7
34.2
53.4
53.7
285
24.0
24.0
24.0
23.1
22.2
46.2
38.7
40.2
59.4

OM&A
(M89§)

0.0
0.0
0.0
0.0
0.0

0.0

0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0

0.0

0.0
0.0

Capital
(M899%)

0.0
0.0
46.4
49.4
52.4
62.8
14.0
14,7
15.4
8.0
8.3
8.5
5.1
5.2
53
5.3
5.4
55
5.6
5.7
5.8
6.0
6.1
6.2
6.3
6.4

OM&A
(M83%$)

0.0
0.0
17.4
18.5
19.7
29.8
11.9
12.5
13.2
3.9
4.0
4.1
2.4
25
25
2.6
2.6
2.7
2.7
2.8
2.8
2.9
2.8
3.0
3.0
3.1



The total energy generated by non-utility generators over the year is less than would
be obtained by running at the dependable demand reduction for all hours. This is
modelled by reducing the amount of generation on all days other than the winter and
summer peak days. The proportion of dependable capacity available on each day type
is shown in Figure 2.2-7. The effect of load displacement non-utility generatlon is
shown in Figure 2.2-3.

The cost of non-utility generation is modelled as 940 $89/kW capital cost, with
Ontario Hydro offering to cover 12% of that cost. This was based on a contract under
negotiation early in 1989. These capital costs are escalated by the Ontario CPI. The
fixed OM&A cost was estimated as 135 $89/kW/yr. This is based on OM&A being 3%
of capital cost, natural gas fuel at 2.8 $88/MCF, a heat rate of 5400 BtwkWh and an
80% average capacity factor. As the majority of this OM&A cost is made up of gas
fuel costs, it is escalated by the same rate as natural gas fuel for CTUs.

2.2.5 Primary Demand

The primary demand is also represented by 384 hourly demands as are the individual
loads described above. As noted previously, it is created by subtracting the electrical
efficiency improvement load, the load shifting load and the load displacement non-
utility load from the basic demand. Primary demand is input to the supply submodel.
Primary demand for the year 2000 is shown in Figure 2.2-3; primary demand in 1989,
2000 and 2010 is shown in Figure 2.2-2,

2.3 SUPPLY SUBMODEL

The supply submodel simulates the supply of primary demand through purchase non-
utility generation, purchases from neighbouring utilities, existing and new hydraulic
generation, nuclear generation, and fossil generation. The supply submodel also
calculates the fuel and OM&A costs of all generation, the capital cost of new
generation, and the cost of emergency measures.

The main inputs of the supply submodel are the primary forecast from the demand
submodel and the characteristics of the generation system, such as rated capacity;
forced outage rate; planned outage schedule (by season); and fuel, OM&A and capital
(new generation only) unit costs of both new and existing generation. The main
outputs are capital and OM&A costs of supply options, fuel costs, and expected
energy production by fuel type.



Figure 2.2-7

Availability of Load Displacement Non-Utility Generation
As Modelled in System Simulation
(Fraction of Dependable Capacity by Day Type)

Season
Day Type Winter Spring Summer Fail
HIGH Weekday 1.00 0.70 1.00 0.70
MID Weekday 0.95 0.70 0.95 0.70
LOW Weekday 0.80 0.70 0.80 0.70
WEEKEND 0.80 0.70 0.80 0.70




2.3.1 Generation Dispatch and Forced Outages

To make modelling of the generation dispatch more manageable, the supply model
first groups the individual units as shown in Figure 2.3-1. To improve the modelling
of dispatch, and because energy production and costs are also reported in these
groups, the dispatch groups are divided by fuel type.

Figure 2.3-1 also shows the loading order of the dispatch groups. Non-utility
generation is used first, followed by purchases, hydraulic, nuclear, coal, gas and oil.
Each is used to the maximum before the next is drawn on. The loading of generation
on a typical day is shown in Figure 2.3-2.

The loading order as shown in Figure 2.3-1 is based approximately on using the
lowest operating cost units first. There are exceptions, however. Hydro is obligated
to buy non-utility generation at all times regardless of cost, and lignite is the first
coal unit loaded until the Manitoba purchase starts. The order of gas and oil
generation changes as the fuel prices change. Gas is listed first as it has the lower
fuel cost until late in the planning period.

Depending on the modelling of forced outages, a dispatch group is either set at its
average availability or it is represented by several different outage levels. Most of
the groups are set at their average available capacity by multiplying their capacity
by their average availability. These groups are then always modelled at this average
availability. For example, the Lignite group has an installed capacity of 535 MW and
an average availability of 92.8% (an average forced outage rate of 7.2%). This group
would be modelled as always having 436 MW (535 MW * 0.928), its average available
capacity.

The other dispatch groups are modelled by several different levels of outages. For
example, the existing nuclear group could be modelled by four different levels of
outages--19 of 20 units available, 18 of 20, 17 of 20, and 15 of 20. The existing
nuclear group has 14 182 MW of installed capacity averaging 709 MW in-each of 20
units. So, the four levels above would have available capacities of 13 472 MW, 12 764
MW, 12 055 MW, and 10 637 MW. The probability of each of these different levels
occurring is also calculated.

Dispatch groups are modelled with different levels until up to 32 different outage
states are formed by the combination of all the different outage levels of the dispatch
groups. In addition to the four levels with which the nuclear is modelled in the
example above, the existing coal generation may be modelled with four levels and the
oil group with two levels. This results in the 32 different outage states (4 nuclear *
4 coal * 2 oil). The probability of each outage state may also be calculated.



Figure 2.3-1

System Simuiation Generation Groups In Dispatch Crder

Dispatch Order Generation Dispatch Group Existing Units in Group
1 Purchased Non-utility Generation
2 Major Purchases
3 _ Existing Hydraulic
4 New Hydraulic
5 Old Nuclear including Darlington Pickering, Bruce, Darlington
6 New Nuclear ~
7 Ugnite-fired units * Atikokan, Thunder Bay 243
8 New pulverized US coal
9 IGCC units
10 New pulverized Western Canadian coal
11 Existing Coal units with FGD and CPM |Lambton, Nanticoke, Lakeview
12 Existing Coal units with FGD only
13 Existing Coal units with CPM only
14 Other Existing Coal units
15 Ugnite-fired units *
16 Combined Cydie units
17 Gas-flred CTU **
18 Oll-fired Boiler-type units ** Lennox
19 Oll-fired CTU
20 Emergency Measures Purchases, Interruptibles, Voitage

FGD = Fiue Gas Desulphurization (Scrubbers)
CPM = Combustion Process Modification (includes low NO burners)

* Changes loading order from first coal unit loaded to
last coal unit loaded in 2000, because of Manitoba purchase.

** Order determined by relative costs of oil and gas. Order
reverses In later years of study period,
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Figure 2.3-2

Example of Generation Dispatch
Year 2000 Winter
High Demand Weekday
MW (Thousands)

30

NEW HYDRAULIC

Hour of the day
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For each outage state, the units are dispatched for all day types in all seasons to
determine the energy generation from each dispatch group. The energy produced in
each state from each group is then averaged across states, based on the probabilities
of the outage states. This creates the expected energy production for each dispatch
group for that year. The fuel cost is then determined by multiplying the expected
energy production by the unit fuel costs.

2.3.2 Planned and Maintenance Outages

Generation outages are classified into three categories--planned, maintenance and
forced. Each is modelled differently in LMSTM. Planned outages are scheduled a
year or more in advance and tend to be of durations ranging from a few weeks to two
or more months. (Unit rehabilitations and retubing are longer duration planned
outages. They are addressed in the sections on the specific generation types with
which they are associated.) Planned outages are entered directly into LMSTM and
are scheduled evenly over the Spring, Summer, and Fall seasons, so that the same
amount of generation of each generation type is on planned maintenance in each of
these seasons. No planned maintenance is scheduled in the Winter season.

Forced outages are unplanned and occur at random. These are modelled directly by
LMSTM as described in the previous section.

Maintenance outages occur at random, but can be delayed until a lower demand
period. If the unit would not have been in use in this lower demand period, then the
maintenance outage has no effect on the production from this unit. For peaking
generation such as Lakeview, therefore, maintenance outages do not affect energy
production.

For other, non-peaking, units maintenance outages are considered to occur randomly
in all hours of the year. They are modelled as planned outages in all seasons,
effectively derating the unit’s capacity by the expected time on maintenance outage.
For example, if a unit is expected to be down on maintenance outage one day a
month, then 4 days of outage would be modelled in each of Winter and Summer, and
2 days of outage would be modelled in each of Spring and Fall.

All reliability indices for existing stations are based on "1988 Forecast of Reliability
Studies for Use in Corporate Planning Studies", published in March 1989. For new

thermal units reliability indices are based on the Ontario Nuclear Cost Inquiry or the
Thermal Cost Review.



2.3.3 Purchase Non-Utility Generation

Purchase non-utility generation is modelled as a single generating unit which runs
continually at 80% of installed capacity, has a fuel cost equal to Ontario Hydro’s
purchase rate and is the first generation dispatched. The full amount of non-utility
generation available is always purchased.

2.3.4 Hydraulic

New and existing hydraulic are modelled separately in LMSTM, but are dispatched
in a similar manner. Both are dispatched within any season, using a process known
as peak shaving. This type of dispatch uses hydraulic generation to create the
flattest possible load shape for remaining generation to supply. This produces the
lowest cost generation schedule pattern and the minimum unsupplied energy. See
Figure 2.3-1, where the peaking hydraulic has been dispatched using peak shaving.

Hydraulic generation is modelled using median water flows to properly reflect the
long-term average energy supply contribution of this resource. The capacities and
energies used to model both the existing and new hydraulic generation are shown in
Figure 2.3-3.

The modelled capacity of existing hydraulic generation available at peak is 500 MW
less than the actual installed capacity. The full installed capacity is not available at
peak due to physical restrictions such as seasonal and daily flow variations,
maximum discharge rates and lags between upstream and downstream stations.

The site extensions at the Mattagami Complex and the developments at Little
Jackfish, Niagara, and Big Chute plus Lake Gibson are modelled explicitly for
capacity, energy, and in-service date. Other sites are approximated by additions of
200 MW of hydraulic capacity, with in-service dates to best match the Hydraulic
Plan, and with energy availability at the average for later units in the plan. The unit
availability of new hydraulic units is modelled as 93.2%, except for Niagara which is
modelled at 90.0%. The modelling of the total Hydraulic Plan is shown in Figure 2.3-
3.

The fuel costs of hydraulic are the water rental rates Hydro pays to the province.
This rate is 3.12 $89/MWh and escalates by Ontario CPL

2.3.5 Major Utility Purchases

The energy production from the 1000 MW purchase from Manitoba is modelled in
LMSTM, but the costs are input directly to RAM. The Manitoba purchase was
modelled in the same way as the hydraulic generation discussed above. The annual
capacity and energy values of this major utility purchase are shown in Figure 2.3-4.
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Figure 2.3-3

Capacity and Energy of Existing and New Hydraulic Supply

In System Simulation
EXISTING HYDRAULIC
Year Capacity Energy by Season (GWh)
(MW) Winter Spring Summer Fall
1989-2014 6500 11730 6799 11095 6011
NEW HYDRAULIC SUPPLY
Year Capacity Energy by Season (GWh)
(MW) Winter Spring Summer Fall
1990 0 0 0 0 0
1991 0 0 0 0 0
1992 0 0 0 0 0
1993 16 32 16 33 16
1994 16 32 16 33 16
1995 82 63 32 64 32
1996 338 264 133 266 133
1997 518 475 239 479 239
1998 518 475 239 479 239
1999 1068 819 413 826 413
2000 1068 952 480 960 480
2001 1268 1037 523 1046 523
2002 1468 1122 566 - 1132 566
2003 1668 1208 609 1217 609
2004 1868 1293 652 - 1303 652
2005 2068 1378 695 1389 695
2006 2068 1378 695 1389 695
2007 2068 1378 695 1389 695
2008 2068 1378 695 1389 695
2009 2268 1463 738 1475 738
2010 2468 1548 781 1561 781
2011 2668 1634 823 1647 824
2012 2668 1634 823 1647 824
2013 2668 1634 823 1647 824
2014 2868 1719 866 1733 867



Figure 2.34

Capacity and Energy of Manitoba Purchase

in System Simulation
Year Capacity Energy by Season (GWh)
(MW) Winter Spring Summer Fail

1990-2000 0 0.00 0.00 0.00 0.00

2001 200 585.12 277.92 555.84 277.92

2002 400 1110.24 555.84 1111.68 555.84

2003 800 2220.48 827.68 1519.36 781.68
2004-2014 1000 2775.60 1139.60 2019.20 1079.60



- 2.3.6 Existing Fossil Stations

Each fossil unit is modelled separately, even though units within stations have the
same costs. Fixed OM&A are forecast from current costs and fuel costs are consistent
with those used in the Thermal Cost Review. Figure 2.3-5 shows the capacities by
station and by year, as used in the production simulations. Capacity reductions in
later years reflect retirements.

Depending on the length of the outage involved, the costs of rehabilitating existing
fossil stations are treated in one of two ways--as a fixed OM&A cost, if the outage is
only several months; or as a capital cost, if the outage is modelled as one or more
years in duration. The rehabilitation of Lambton was treated as planned outages
with costs recovered in OM&A. The Lakeview rehabilitation costs are modelled as
a capital expenditure and depreciated over the remaining life of the station. These
rehabilitations and the retrofits of scrubbers (as in proposed plan median load
growth) are also indicated in Figure 2.3-5.

When a unit of Lambton or Nanticoke has its combustion process modified to reduce
NO,, or when scrubbers are retrofit to reduce SO,, the unit is retired from service
and a new one is added with revised characteristics and a capital cost equal to the
cost of the modification.

2.3.7 Existing Nuclear Stations

Pickering A and B, Bruce A and B, and Darlington are existing Hydro nuclear units.
The capital cost of Darlington is explicitly modelled because it comes into service
after 1989. The capital costs of the other stations are included with other existing
assets (see Section 2.4). Fuel costs are based on existing nuclear fuel contract prices
and are adjusted to include fuel disposal costs. Fixed OM&A is modelled as a
projection of ongoing costs and has not been levelized. Large-scale fuel channel
replacement (retubing) is explicitly modelled.

Retubing is modelled by removing nuclear units from service for one to three years
while they are being retubed. Such outages must be modelled as 12, 24 or 36 months
(1, 2, or 3 years), while the actual retubing times of individual units are 19 to 31
months. The modelling of the total retubing schedule (see Figure 2.3-6) is designed
to match the actual schedule as closely as possible.



Figure 2.3-5

Existing Fossl] Station Capacity
As Modaslied in System Simuiation
(As in Proposed Plan)

Year Lambton Nanticoke Lakeview Thunder Bay Lennox Atlkokan
MW  Notes*® MW  Notes* MW  Notes* MW Notes* MW  Notes* MW
1989 2100 4336 2282 320 1674 215
1990 2100 4336 2282 320 2232 DMB 3 215
1801 2100 RHB 1 4336 1898 RHB 5§ 320 2232 215
1882 2100 RHB 2 4336 1998 RHB 6 320 2232 215
1693 2100 RHB 3 4336 1993 RHB 1 320 2232 215
1994 2080 RHB 4 4336 1983 RHB 2 420 DMB 1 2232 215
CPM 3&4
SCR 14&2
1695 2070 CPM 1&2 4336 1714 RHB 3&4 420 2232 215
SCR 3&4
1996 2070 4336 1714 RHB 7&8 420 2232 218
19987 2070 4336 2282 420 2232 215
1998 2070 4326 CPM 1.4 2282 420 2232 215
1999 2070 4326 2282 - 420 2232 215
2000 2070 4326 2282 420 2232 215
2001 2070 4326 2282 420 2232 215
2002 2070 4326 : 1993 RET 1 420 2232 215
2003 2070 4326 1704 RET 2 420 2232 215
2004 2070 4326 1704 420 2232 218
2005 2070 4326 1136 RET 3&4 420 2232 215
2006 2070 4326 1136 420 2232 215
2007 2070 4326 852 RET 5 420 2232 ' 215
2008 2070 4326 852 420 2232 2185
2008 2070 4326 0 RET 6-8 420 2232 215
2010 0 RET 1-4 4326 420 2232 215
2011 4326 420 2232 215
2012 4326 420 2232 215
2013 3787 420 2232 215
2014 2168 420 2232 215

* RHB = Rehab of indicated units
DMB = Demothball indicated units
CPM = Modify indicated units
SCR = Ratrofit scrubber on indicated units
RET = Retire indicated units

Note: Keith, Hearn A(units 1-4) and Hearn B(units 5-8) are mothbailed.
In case of demothballing their capacities wouid be;
Keith - 256 MW, Heam A - 391 MW, Heam B - 788 MW
Qil-fired CTUs at existing sations have a capacity of 253 MW.



Year

1989
1980
1591

1992

1993
1994
19985
1996
1997
1998
1999
2000
2001
2002
2003
2004
2005
2006
2007
2008
2009
2010
2011

2012

2013
2014

*INS =
SLR =
RFB =
RTB =
RET =

Figure 2.3-8

Exlsting Nuclear Statlon Capacity
As Modelled In System Simulation
{As in Proposed Plan)

Pickering A& B

MW

4124
3609
3609

3609

4124
4124
4124
4124
4124
4124
4124
4124
4124
4124
4124
4124
4124
3608
3608
3608
3608
3608
2578

2063

2064
2064

Notes*

RTB 3
RTB 4
SLR §
RTB 4
SLR 6

RTB 5
RTB &
RTB 6
RTB 6
RTB 7
RTB 7
RET 1&2
RTB 8
RET 3
RET 4

Bruce A&B

MW  Notes*
6516

6516 SLR 3&4 -
6516 SLR 1
6516

6516

6516

6516

6516

6516

6516 RFB 3
6516

6516

6516

5747 RTB 3
4978 RTB2&3
5747 RTB2
5747 RTB 2
6516

5747 RTB 1
4378 RTB 1&4
5747 RTB 4
5656 RTB 5
5656 RTB S5
5656 RTB 6
5656 RTB 6
5656 RTB 7

In-service date of indicated units

Spacer location and relocation for indicated units

Darlington

MW

1762
2643

3524

3542
3524
3524
3524
3524
3524
3524
3524
3524
3524
3524
3524
3524
3524
3524
3524
3524
3524
3524

3524

3524
3524

Repositioning end-fitting and bearings for indicated units
Indicated units down for retubing
Retire indicated units

Notes*

INS 1&2
INS 3

INS 4



2.3.8 New Thermal Stations

All values for new fossil stations were based on the Thermal Cost Review. All 'Initial
Capital’ was modelled as a capital cost. All other costs excluding 'Fueling Costs’,
were levelized over the life of the station and included as fixed OM&A. Fuel costs are
calculated in LMSTM based on expected energy generated. Unit fuel costs are as in
the Thermal Cost Review.

Similarly, all values for new nuclear stations were based on the Nuclear Cost Inquiry
data. Costs labelled 'Initial Capital’ were included as a capital cost; used fuel
management, transportation and repository costs were entered as variable operating
costs. All other costs were annualized and included as fixed OM&A. Fuel costs are
calculated in LMSTM based on expected energy generated. Unit fuel costs are based
on Nuclear Cost Inquiry data.

As noted in Section 2.1.1 new units are constrained to start as of January 1. Also
each unit is modelled with the same capital construction pattern. These patterns
were developed in such a way that the sum of the patterns of the four units in a four
unit station matched the supplied station construction pattern as closely as possible.

2.3.9 Emergency Measures

During the scheduling of generation, emergency measures are treated as the last
generation loaded. The use of emergency measures is essentially the generation from
this "unit”". Emergency measures are emergency purchases, interruptible load cuts
and voltage reductions, which add up to 2000 MW.

The cost of this energy is modelled as 11 $89/MWh above the cost of CTU oil to
ensure that load is supplied by oil generation before these measures are implemented.

2.4 FINANCE SUBMODEL

The main financial modelling processed through LMSTM is levelizing of capital costs.
This is actually performed by a modification made by Ontario Hydro to the standard
LMSTM code. It uses a constant 5% real discount rate to determine the equal real
dollar annual payments (required to pay for an investment over its life). All capital
costs are levelized in this way. The RAM was used for the main financial results (see
Chapter 8).



The financial submodel was used to model distribution system, transmission system,
overhead and other fixed costs. The modelling of demand management and load
displacement non-utility generation costs is described with the demand submodel
(Section 2.2) and Section 2.3 (supply submodel) contains the description of generation
fixed and fuel costs. Other costs used for the detailed results are described in
Chapters 8 and 9.

2.4.1 Incremental Distribution Costs

The distribution costs for Ontario Hydro’s Rural Retail System and for all of the
municipal utilities are modelled to reflect the total savings of demand management
regardless of the retail supplier. Distribution costs are modelled in two ways.
Incremental costs are proportional to primary load growth and other costs are entered
directly as cash flows as described in Section 2.4.3.

The costs associated with new investment in distribution equipment required to meet
growing demand and some of the fixed operating costs of the whole distribution
system are modelled. These costs are proportional to primary demand in the two
residential customer classes and the general customer class. Specifically, these costs
are proportional to the peak demand of each class. The direct customer class does
not require distribution equipment from Hydro.

The incremental distribution costs may be divided into energy-, demand-, and
customer- related costs. As demand management is not designed to alter the number
of customers in Ontario only energy- and demarnd- related distribution costs are
modelled as incremental distribution. The costs of customer-related incremental
distribution are included under overhead and other fixed costs (see Section 2.4.3).

OM&A costs of incremental (post 1989) distribution system expansions are estimated
as 5.46 $89/kW/yr. This OM&A cost is also applied to the existing distribution
system. Incremental distribution investment has a capital cost of $228 (1989 dollars)
per kW of growth in the class peak demands. These values are based on an Ontario
Hydro report, 'Estimation of Incremental Capacity Costs for Municipal Utilities’, Aug.
1987. :

2.4.2 Incremental Transmission Costs

Four different types of transmission costs are defined--radial transmission, inter-area
transmission, incremental load-growth transmission and existing transmission.
Incremental transmission is modelled as directly proportional to peak load growth.
This is distinct from inter-area transmission which is related specifically to the
location of new major supply. Radial transmission is specific to particular generating
stations and is modelled as part of the capital cost of each new station. The costs of
inter-area and radial transmission are input directly to RAM.
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Incremental load-growth transmission was modelled in the system simulation. Its
costs were divided into bulk transmission, with a capital cost of 135.7 $89/kW and an
OM&A cost of 4.87 $89/kW/yr; and regional transmission, with a capital cost of 124
$/kW.

Existing transmission costs were entered as overhead and other fixed costs described
in Section 2.4.3.

2.4.3 Overhead and Other Fixed Costs

Overhead and other fixed costs are modelled as cash flows of both capital costs and
fixed OM&A costs. These cash flows do not vary throughout the analysis and are
input directly:

¢ Ontario Hydro, overhead and other fixed costs;

e Capital modification to existing generation not explicitly modelled in the

supply submodel;

¢ Existing transmission system costs;

¢ Rural distribution, existing system and overhead costs; and,

e Municipal distribution, existing system and overhead costs.
These costs are shown in Figure 2.4-1.

Except for the municipal costs, all costs are based on the 1988 Ontario Hydro long-
range financial plan. Municipal expenses were based on those reported in the 1987
Ontario Hydro Statistical Yearbook and then adjusted for load growth and inflation.
From these values, the incremental distribution costs were subtracted to obtain the
values shown in Figure 2.4-1. The costs shown for the rural retail system and for
existing transmission were obtained in the same way.

2.5 ACID GAS AND SECONDARY NUCLEAR SALES MODELLING

An additional submodel written by Ontario Hydro starts with the LMSTM energy
production and fuel cost output and determines acid gas and carbon dioxide
emissions, revises the fuel cost of existing station to reflect coal blending, and
estimates secondary nuclear sales.

2.5.1 Acid Gas Calculations and Fuel Blending

To determine emissions of SO,, NOy, and CO, from fossil stations the emission rates
from the Thermal Cost Review were used. These are summarized in Figure 2.5-1,



Figure 2.4-1(a)

Overhead and Other Fixed Costs
in System Slrnulatlon

Capital Costs
(Millions of Current Doliars)

Ontario Hydro

Overhead & Generation Transmission  Distribution Systems

Other Fixed Capital Gther Fixed Rural Retail Municipal
Year ~  Costs Moditications Costs System Utilities
1989 179 77 327 174 162
1980 164 77 519 155 51
1991 148 120 486 170 43
1992 217 360 366 187 46
1993 169 381 335 200 44
1994 171 371 452 215 68
1995 181 470 459 238 129
1996 194 451 487 259 153
1997 210 537 311 281 168
1998 227 534 438 304 155
1999 247 538 478 326 107
2000 268 578 401 350 86
2001 291 695 387 363 79
2002 316 854 414 413 175
2003 344 691 592 442 157
2004 374 731 1082 482 148
2005 407 771 496 527 183
2006 442 813 526 563 197
2007 479 857 555 611 247
2008 518 910 587 659 263
2009 562 962 587 714 301
2010 610 1016 587 773 315
2011 662 1073 587 837 348
2012 719 1134 587 907 381
2013 780 1198 587 982 418
2014 * NA NA NA NA NA

* Capital costs in last year of planning pericd could not be modelied.



Year

1989
1990
1991
1982
1993
1994
1995
1996
1997
1998
1999
2000
2001
2002
2003
2004
2005
2006
2007
2008
2009
2010
201
2012
2013
2014

Flgure 2.4-1(b)

Overhead and Other Fixed Costs

In System Simulation

OM&A Costs

(Millions of Current Dollars)

Distribution Systems$

Ontario Hydro
Overhead & Generation Transmission
Other Fixed Capital Other Fixed Rural Retail
Costs Modifications Costs System
361 0 155 157
384 0 166 169
363 0 174 184
421 0 179 201
557 0 187 215
577 0 192 234
695 0 201 249
719 0 211 265
770 0 221 287
823 0 233 309
854 0 245 335
891 0 260 367
684 0 277 406
738 0 297 442
799 0 318 486
867 0 341 832
936 0 366 580
1010 0 392 635
1090 0 421 692
1175 0 451 755
1269 0 484 825
1371 0 519 901 -
1481 0 556 984
1600 0 596 1075
1728 0 6840 1174
1867 0 686 1282

Municipal
Utilities

301
326
355
387
419
455
497
547
600
658
719
783
855
934
1020
1111
1210
1333
1470
1615
1785
1967
2187
2386
2628
2845



Figure 2.5-1

Emission Rates for Fossil Stations

In System Simulation

Dispatch Group

Existing Coal units with FGD and CPM

Existing Coal units with FGD only

Existing Coal units with CPM only - High Sulphur Coal
- Low Sulphur Coal
- Westem Can. Coal
- Natural Gas

Other Existing Coal units - High Sulphur Coal
- Low Sulphur Coal
- Westem Can. Coal
- Natural Gas

New pulverized US coal *

New pulverized Western Canadian coal *

Lignite-fired units

Gas-fired CTU

Qil-fired Boiler-type units

IGCC units

Qil-fired CTU

* The emission rate for SO2 applies only after the year 2000

** Typographical error in input data file for system simulation.

Emission (MG/GWH)
S02 NOX co2

1.64 1.12 860

1.64 1.40 855
16.70 1.36 825
5.30 1.36 825
2.30 1.36 930
0.00 1.44 473
16.70 1.70 820
5.30 1.70 820
2.30 1.70 925
0.00 1.80 470
1.64 0.25 860
2.30 0.15 930
4.30 1.30 935
0.00 1.20 470
2.80 1.30 670
0.47 0.25 810
1.60 1.90 0

Little effect on results as production from this group averages

less than 1 GWhvyr.
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Based on meeting the acid gas emission limits, the sulphur content of coal burned in
existing, unscrubbed coal stations is then determined. The revised fuel cost is then
computed based on the types of coal used. This process provides for an emission
reserve--energy production could be increased by 9 TWh without exceeding the acid
gas limits.

2.56.0 Secondary Nuclear Sales

Surplus nuclear energy production may be sold to U.S. utilities at a price higher than
the incremental production cost. This is computed by first determining available
surplus nuclear energy. This is equal to the maximum possible nuclear production
(total nuclear capacity * 84% average nuclear availability * 8760 hours) minus actual
production. Units down for retubing are not included as part of total nuclear capacity
and the average availability excludes retubing outages.

The amount actually sold is a percentage of the surplus energy which decreases as
the surplus increases (see Figure 2.5-2). This is multiplied by the selling price to
determine revenue. The nuclear production cost is subtracted to yield net revenue
or profit form the sale. The selling price is approximated as half way between the
energy production costs of coal generation and nuclear generation.

2.6 REVIEW

The gystem modelling is the source of energy production by fuel type, fuel costs, and
costs which are common across all plans. Other models described in Chapters 8 and
9 perform further financial modelling to calculate plan costs, assess risk, and
determine corporate financial impacts. The costs of major supply options and inter-
area transmission are entered directly into these other models.

The system modelling is done with a version of LMSTM modified at Ontario Hydro.
LMSTM is an integrated planning model which models both demand and supply
resources. System modelling is divided into four main aspects:

¢ demand submodel;

* supply submodel;

¢ finance submodel;

* acid gas & secondary nuclear sales.

The Demand Submodel is structured specifically for modelling the demand
reductions from demand management programs. Electricity demand is modelled by
16 different typical daily load shapes (24*16 = 384 hours). This load model is
specifically designed to facilitate the different effects of electrical efficiency
improvements and load shifting over a day or week.
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Secondary Nuclear Sales Assumptions
in System Simuiation

Surplus Percent Soid  Percent Soid

(TWh) of Last TWh  of Total TWh
1 70% 70%
2 70% 70%
3 60% 67%
4 60% 65%
5 50% 62%
6 50% 60%
7 50% 59%
8 40% 56%
g 40% 54%

10 40% 53%
11 40% . 52%
12 40% 51%
13 40% 50%
14 35% 49%
15 35% 48%
16 35% 47%
17 35% 46%
18 35% 46%
19 35% 45%
20 35% 45%
21 35% 44%
22 35% 44%
23 35% 43%
24 25% 43%
25 25% 42%
26 25% 41%
27 25% 41%
28 25% - 40%
29 25% 40%
30 25% 39%



The demand modelling starts with the basic load forecast. Demand reductions from
electrical efficiency improvements, load shifting and load displacement non-utility
generation are removed from the basic demand to create the primary demand.

The costs of demand management and load displacement non-utility generation are
calculated in the demand submodel.

The Supply Submodel simulates the supply of primary demand through purchase
non-utility generation, purchases from neighbouring utilities, existing and new
hydraulic generation, nuclear generation, and fossil generation. It produces the
expected energy production and fuel cost by fuel type. The capital and fixed costs of
new supply for the financial analysis of plans are determined in other models.

Supply resources are combined into 20 different dispatch groups. For simulating
dispatch these groups are either modelled at their average availability or with several
different outage levels. The possible combinations of the outage levels create up to
32 outage states. Generation is dispatched in each of these states and then expected
energy production by dispatch group is found by averaging across the possible states,
in proportion probabilities of theses states occurring. Forced, maintenance and
planned outages are all modelled in generation dispatch.

Purchased non-utility generation is dispatched first. Next, new and existing
hydraulic generation, and major utility purchases (Manitoba purchase) are dispatched
by peak shaving. Thermal units are dispatched in the following order: old nuclear;
new nuclear; lignite (until Manitoba purchase); new coal; existing coal; lignite (after
Manitoba purchase); natural gas CTUs; oil (dispatched before natural gas after 2013);
existing CTUs; and, emergency measures.

The Finance Submodel calculates the costs of incremental distribution and
incremental transmission. It also determines the overhead and oth